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ABSTRACT 

 

This report provides a short history of Electric Submersible Pumps (ESPs), an analysis of 

the production system that is used to identify the potential production of any well, a 

description of ESPs’ components and installation, a comparison of different artificial lift 

methods, and a discussion of a case study where ESPs are shown to maximize oil 

recovery.  

Oil is considered to play a critical role in every country’s economy. It is involved in 

every aspect in our lives, including food production, recreation, and transportation. Oil is 

extracted from the reservoir by the stored energy caused by the difference between the 

reservoir and wellbore pressure. 

Artificial lift methods are used if the well is not capable of producing by itself or 

producing economically viable quantities. These methods use artificial means to increase 

well production and ultimately oil recovery. One of these artificial lift methods is the use 

of ESPs, which have shown an efficiency and consistency for wells with a moderate to 

high production. 

A case study was conducted using Eclipse software. The study was on a synthetic field 

model provided by Saudi Aramco where three scenarios were applied. These scenarios 

were field production: 

1. Naturally with no ESPs; 

2. With ESPs installed from the beginning; and 

3. Naturally for a half period of field life, then ESPs installed for the remaining 

period. 
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CHAPTER ONE: INTRODUCTION 

 

1.1 ARTIFICIAL LIFTING 

Oil is considered to be the primary source of energy in the world due to its high energy 

density, easy transportability, and relative abundance. It is a vital factor in every 

country’s economy. Almost all items that we buy, use, and consume are products of oil. 

The EIA (Energy Information Administration) stated that the world consumption of crude 

oil daily is 85.64 million barrels, which is equivalent to 2 liters of oil per day per person 

[1]. 

Theoretically, oil is extracted from the reservoir by the stored energy of the compressed 

oil in the reservoir. This energy is obtained by the difference between the reservoir and 

wellbore pressures. If this difference is high enough, the well will be capable of 

producing naturally. Most oil wells worldwide are producing naturally in their early lives. 

After producing for a period of time, the reservoir pressure will decrease and as a result 

the difference between reservoir and wellbore pressure will be small. So, the well will not 

be able to lift oil up to surface, or it might lift oil to the surface but in less than economic 

volume. At this stage, artificial lift can be utilized to overcome this issue by reducing the 

wellbore pressure. This reduction will bring back the essential difference between the 

reservoir and wellbore pressure so oil can be extracted and lifted up to the surface. 

One of the most important roles of artificial lift is to maximize the production rate from 

flowing wells. Artificial lift can be divided into two types, based on lifting mechanism: 

gas lifting and pumps. The gas lifting method uses a compressed gas that is injected from 

http://www.eia.doe.gov/oil_gas/petroleum/info_glance/petroleum.html
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the surface to certain points in the tubing. This gas will lower the density of the fluid 

column in the tubing causing a reduction in the wellbore pressure and therefore 

increasing production. The pumping method, on the other hand, involves setting the 

pump at a certain depth inside the tubing that will cause it to be submerged below the 

liquid level. This pump will lower the wellbore pressure and hence increase the 

drawdown, causing more production. The most common artificial lift methods used 

worldwide are electrical submersible pump (ESP), sucker rod pumps (SRP), gas lift (GL), 

plunger lift pumps (PLNG), progressive cavity pumps (PCP), and hydraulic pumps (HP). 

Bearden stated that ESP is the most competent and consistent method of artificial lift 

when moderate to high volume of oil needs to be lifted from the well [2]. He also 

estimated the lifting capacity of ESPs to be as low as 150 barrels per day and as high as 

150,000 barrels per day [2]. The ESP system components are shown in Fig. 1. The 

system includes a multistage centrifugal pump, bolt-on intake, a seal-chamber section 

(protector), and a motor with sensor. The remaining components are the surface control 

panel and the power cable running from the surface downhole to the motor. According to 

Takacs, ESPs have shown an efficiency and consistency in lifting high volume liquid rates 

on and offshore. He clarified that the production through ESPs represents 10% of the 

world’s oil supply [3]. 
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Figure 1 ESP system configuration [2] 

To design and analyze ESP performance, three major points have to be understood: 

1. The well’s productivity; 

2. The fluid ratios of the produced fluid; and 

3. The mechanism of each stage of the pump. 

Failure to understand these points will result in imprecise designing of the pump and 

failure to achieve optimum production. Moreover, the types of produced fluids and their 

response to the change of temperature and pressure have a remarkable impact on the 

performance of the pump. So, an accurate description of the Pressure-Volume-

Temperature, and phase behavior of produced fluid are required for a proper design. 
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A case study was conducted using Eclipse software. The study was to establish a 

simulation model that describes the performance of the synthetic field provided by Saudi 

Aramco over the next 27 years. There are three scenarios applied to the model. These 

scenarios were field production: 

1. naturally with no ESPs; 

2. with ESPs installed from the beginning; and 

3. naturally for a half period of field life, then ESPs installed for the remaining 

period. 

1.2 SHORT HISTORY OF ESP APPLICATION 

In the late 1910s, a Russian inventor named Armais Arutunoff designed and developed 

the Electrical Submersible Pump [4]. After that, he started his company Russian 

Electrical Dynamo of Arutunoff (REDA). Since then, he invented the first electric motor 

that can work below the liquid level in an oil well. He received a US patent on the 

invention of the ESP in 1926 [4]. Many sources provided different starting dates of ESP 

installation in the petroleum industry. According to Takacs, the first successful ESP 

installation was in the El Dorado field in Kansas in 1926 [3]. He also implied that the first 

recognized ESP units were operated by three-phase two-pole motors with an OD of 5 
 

 
 in 

or 7 
 

 
 in. Above the motor, a seal unit was installed, and then a pump was attached on the 

top of that. The motor was to operate the pump, the seal was to protect the motor and 

prevent any leakage from the well into the motor, and the pump was to lift the fluid up to 

the surface. This ESP unit was attached to the bottom of the tubing string where 

electricity is being provided by a cable from the surface to the motor. Today, the same 

ESP setup is being applied with some modifications in the process of installation. The 
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modifications of ESP components are ongoing to tackle issues that may reduce the 

running life of the ESPs. One of these modifications is the installation of mechanical 

seals on the shafts of the seal (protector) to add more protection to the motor and prevent 

any leakage of fluid into the motor. However, it was a breakthrough moment when the 

first variable speed drive (VSD) was in service in 1977 [5]. This VSD changes the 

frequency of the current feeding the motor and as a result can extend the lifting capacity 

from both high and low sides. 

1.3 ADVANTAGES AND LIMITATIONS 

General advantages and disadvantages of using ESP units can be shown in Table 1: 

 

Table 1 ESP advantages and limitations [7 – 9] 

Advantages Limitations 

It can be installed in deviated and 

horizontal wells. 
It relies on electric power. 

It is capable of producing a high amount of 

liquid. 

Without VSD, the lifting capacity of the 

pump will be fixed and cannot 

accommodate well’s conditions, causing 

the ESP to fail. 

It is suited to work in offshore and urban 

locations since surface equipment requires 

less space. 

Without gas separators or gas handlers, free 

gas at the intake point will lower the 

efficiency of the pump causing less fluid to 

flow. 

Corrosion and scale treatment are easy to 

apply. 

Sand or abrasive materials will impede the 

efficiency, causing faulty ESP. 

If sub-surface equipment installed properly, 

it will require low maintenance. 

The costs of repairing, running, and pulling 

out are high. 

The mechanical efficiency is around 50% 

for systems producing more than 1,000 

barrels per day. 

It will not work in high temperature wells 

(temperature more than 250 
o
F). With the 

use of some special materials, the ESP can 

work up to 400 
o
F. 

 

ESP will require more power and will 

produce less volume when producing high 

viscosity oils. 
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CHAPTER TWO: THE PRODUCTION SYSTEM ANALYSIS 

 

2.1 INTRODUCTION 

The production system of any oil or gas well is composed of the following interrelated 

components, such as reservoir, well, and surface equipment. Any change that occurs in 

any of the components will affect the others to some extent, as these components have to 

work together for successful oil production. Gilbert described the relationship between 

the reservoir, the well, and the surface equipment [8]. He proposed a system that can be 

used to determine the production of any well. However, Gilbert’s system was not 

practical, due to the shortage of methods to formulate the model of the performance of 

the system. Brown modified this concept and named it “nodal analysis” [9]. Moreover, 

Beggs revised the principle of the nodal analysis to be practically and economically 

viable [10].  

For a better description of the nodal analysis, five node points were assigned in Fig.2.  

Point 1 is basically fluids flowing from reservoir into the wellbore. Point 2 indicates 

fluids entering the well and starting to flow vertically at the well bottom.  Point 3 is the 

fluids flowing from the well bottom up to the wellhead. A choke is installed there at point 

4, which represents the intake point to the flowline as well. Point 5 represents the 

horizontal or inclined flow into the separator.  
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Figure 2 The node points of a flowing well in a production system [3] 

 

These points designated by the numbers in Fig. 2 constitute the nodes of the system 

analysis theory. They separate different elements of the production system. As fluids go 

through the node points, the flowing pressure drops; this drop can be calculated 

depending on the characteristics of each component. As a result, based on the variation of 

the flow rate versus pressure drop, the performance of each component will be evaluated. 

There are different models to calculate pressure drop for any hydraulic components. 

Node points 1 and 5 are the endpoints of the system where their pressures are considered 

constant. The pressure at node point1 is the formation pressure. However, the drop in this 

pressure with the depletion of the reservoir will be disregarded since short and medium 

time periods will be considered for system analysis. On other hand, node point 5, which 
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is the separator pressure, is usually being held constant throughout the life of the field. So 

it can be seen that the production system analysis can be performed by varying the 

pressures of node points 2, 3, and 4 to obtain an optimum production system. In another 

words, a procedure can be obtained to calculate the flow rate at which the production 

system will start to produce [3].  

2.2 BASIC PRINCIPLES 

The importance of the system analysis is that it will determine the flow rate for any 

production system. The following conclusions can be arrived at after evaluating the node 

points in Fig. 2 [3]. 

- The mass flow rate for the whole system is not changing. 

- The fluid pressure decreases in the direction of the flow due to the loss in the 

energy. 

- The pressure before and after the node point must be equal. 

- The reservoir and separator pressure, wellbore and surface geometry data, and the 

composition of the fluid are constant throughout the system. 

Fig. 3 is an example of the system analysis for a low producer well that has no surface or 

downhole chokes. The pressure versus rate graph includes two curves; Inflow 

Performance Relationships (IPR) and Tubing Intake Curve (TIC). The intersection of IPR 

and TIC is the system’s final optimum rate. 
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Figure 3 An example of an IPR and TIC curve for a flowing well [3] 

 

2.3 THE PRODUCTIVITY INDEX CONCEPT 

The Productivity Index (PI) concept is the best technique used to describe the inflow 

performance of any oil well. To utilize this concept, four assumptions have to be realized. 

These assumptions are: 

- Radial flow near wellbore area 

- A single phase, incompressible liquid is flowing 

- A homogeneous distribution of the formation permeability 

- The fluid is fully saturated in the formation 
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To find the production rate of any oil well, the Darcy equation (Eq. 1) can be used [3]: 

 
   

           

      (
  

  
)
(       ) (1) 

where:  

q = liquid rate, STB/d 

k = effective permeability, mD 

h = pay thickness, ft 

µ = liquid viscosity, cP 

B = liquid volume factor, bbl/STB 

re = drainage radius of well, ft 

rw = radius of wellbore, ft 

pR = reservoir pressure, psi 

pwf = flowing bottomhole pressure, psi 

The parameters k, h, µ, B, re and rw are constant and can be collected together into a 

coefficient called “productivity index,” PI: 

      (       ) (2) 

where 

 
    

           

      
  

  

 (3) 
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Eq.2 shows that the flow rate is directly proportional to pressure drawdown. Eq. 3 shows 

the relation between PI and the other constant parameters. 

 

Figure 4 Constant PI concept shown in a well inflow performance [3] 

As can be seen in the pressure versus liquid production rate graph (Fig. 4), the straight 

line states that liquid inflow into a well is directly proportional to pressure drawdown. 

Also, the graph shows when the liquid production rate is zero, the pressure is the average 

reservoir pressure, pR, and when flowing bottomhole pressure is zero, the liquid 

production rate is the maximum potential rate, which is called absolute open flow 

potential (AOFP). In reality, it is impossible to achieve the AOFP since the pressure 

cannot be reduced to zero. However, AOFP is used only for a comparison between 

different wells’ deliverability. To obtain the flow rate at any flowing bottomhole 

pressure, Eq. 2is used, and the PI and the average reservoir pressure have to be known. 

The PI is defined as the flow rate per unit pressure drop (bbl/d/psi) and serves as an 
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indication of the production potential of a well. It can be collected from reservoir 

parameters or recorded by taking liquid rate at different flowing bottomhole pressures. 

2.4 VOGEL’S IPR CORRELATION 

Vogel studied the inflow performance of the well with a solution gas as a drive 

mechanism. He evaluated several cases and scenarios where pressure is below 

bubblepoint pressure. He kept changing different parameters like fluid and rock 

properties. At the end, he came up with a conclusion stating that all IPR curves have the 

same shape for these different scenarios (Fig. 5).This conclusion can be represented by 

the following dimensionless equation (Eq. 4) and Fig. 5: 

  

    
       

   
  

     (
   
  
)
 

 (4) 

where: 

q = production rate at bottomhole pressure (Pwf), STB/d 

qmax = maximum production rate, STB/d 

pR = average reservoir pressure, psi 
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Figure 5 Vogel’s inflow performance curve [3] 

Eq.4 can be used with all drive mechanisms. Moreover, this equation is also applied 

when reservoir pressure is below bubblepoint and oil is the only fluid produced. 

2.5 INFLOW PERFORMANCE RELATIONSHIPS 

Most of the wells that are equipped with artificial lift are producing below the bubble 

point; i.e., free gas is present near the wellbore area. As a result, the assumptions used to 

construct PI equations are no longer valid. Test data obtained from several wells showed 

that the line is a downward curving line and not a straight one as shown in the PI graph. 

The reason for the curving shape is the free gas phase resulting from the drop in the 

pressure near the wellbore area [3]. This presence of gas influences the effective 

permeability to liquid. The two-phase condition results in a reduction in a liquid rate. As 

a result, the well produces less liquid when compared to the single-phase condition 

(straight-line PI curve). So, wells producing below the bubble point cannot be 

characterized by the constant PI concept but rather by their IPR curve. 
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CHAPTER THREE: ESP COMPONENTS AND THEIR OPERATIONAL 

FEATURES 

 

3.1 INTRODUCTION 

An Electrical Submersible Pump is usually composed of a motor, a seal (protector), a gas 

separator, a multistage centrifugal pump, electric cable, switchboard and transformer. 

Fig.6 shows a typical complete system of ESP. 

 

Figure 6 Standard ESP complete setup [9] 
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3.2 SUBMERSIBLE PUMP 

Pumps used in ESPs are usually multistaged and centrifugal ones. Every stage includes 

an impeller and a stationary diffuser. The type of the stage will determine the produced 

fluid, while the number of stages will define the generated total head and the required 

horsepower. Pumps are manufactured with different capacities and types to accommodate 

different well conditions.  Fig 7 shows a typical pump used in ESP installation. 

 

Figure 7 ESP pump [3] 

The change in the pressure energy is obtained by pumped liquid as it is surrounding the 

impellers [9]. The pumped fluid is being affected by two factors: tangential and radial 
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forces. As the impeller rotates, it imposes a rotating motion to the pumped liquid. It also 

imposes a motion that is tangential to the impeller’s outer diameter. The result of this 

motion is a centrifugal force that will force the liquid to flow in a radial direction [9]. The 

second part of the pump stage is the diffuser. The purpose of the diffuser is to reduce high 

velocity energy to low velocity. Also, it helps in directing the pumped fluid into the next 

impeller.  

When designing for ESP installation, choosing the right submersible pump is critical 

since each pump has its own limitations and will work for certain applications. Usually, 

the normal length of a single pump is about 20 – 25 ft., which is to accommodate 

handling and assembling pumps. Depending on the required head to produce the fluid, 

pumps can be joined together to create the required head. 

3.3 PROTECTOR (SEAL SECTION) 

The protector or seal section is used to connect the pump housing to the motor housing 

and prevent well fluid from entering the motor. It also provides an oil reservoir that will 

be used to compensate for the loss of the motor oil due to heating or cooling when the 

ESP is working or shut off.  
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Figure 8 ESP seal protector [3] 

 

Fig. 8 shows a cross section of a protector. Protectors usually come in different sizes to 

accommodate different sizes of motors and pumps. When designing for pumps and 

protectors, adequate space between housing, that is including pumps and protectors and 

casing ID should be considered.   
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3.4 SUBMERSIBLE MOTOR 

 

Figure 9 ESP motor [9] 

 

The motor is the important force that drives the pump. One of the important factors in 

selecting the required voltage of the motor is the setting depth of the ESP. This is because 

motors set at a greater depth will lose more voltage of a certain amperage and cable. 

Increasing the length of the motor will cause an increase in the horsepower of the motor 

[9]. The larger single motor assemblies approach 30 ft in length. long and rated up to 200 

to 250 hp. On the other hand, tandem motors approach 100 ft in length with a rate of 
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1,000 hp. Generally, during production operation, ESPs are run by the nameplate voltage 

of the motor. Operating a motor higher than the nameplate will reduce the power of 

motor and will not affect the amperage.  Moreover, if the voltage of the motor is lower 

than the nameplate voltage, the motor will use less current, run slower, have high power, 

and will not be able to develop sufficient horsepower to run the centrifugal pump [9]. Fig. 

9 shows ESP motor. 

3.5 GAS SEPARATORS 

The gas separators, which are usually installed between protectors and pumps and act as 

pump intake, are used to separate free gas from pumped fluid and to route this gas away 

from pump intake to well annulus. Brown indicated that gas separators are effective, but 

measuring their efficiency is a difficult task [9]. Although separating gas from fluid will 

reduce the total intake, it will increase the discharge pressure due to less gas in pumped 

fluid. 
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Figure 10 Gas separator [9] 

The gas that is being separated from fluid is directed to the annulus, where it moves up 

and vents out at wellhead. The gas separator is effective in gassy wells where it prevents 

gas lock. Fig. 10 illustrate typical gas separator. 

3.6 CABLES 

Cables in ESPs are used to supply power to the motor. Cables are manufactured in either 

round or flat styles. The conductors of the flat cables are laid side by side and secured. 

Flat cable is usually used where there is limited clearance between the tubing (and ESP) 

and casing. However, the conductors of the round cable are multi-strand ones where each 

one is insulated. To avoid any physical damage, the exterior of these conductors are 

armor galvanized. Those cables can be installed in well temperatures in excess of 300 
o
F 
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[9]. Cable splicing usually takes place on location during ESP installation. The splicing 

operation is basically switching from flat cable (by the pump) to round cable (by the 

tubing). Fig. 11 illustrates different types of ESP cables. 

 

Figure 11 Different types of ESP cables [9] 

One of the main goals of the cables is to reduce the losses of the downhole voltage to the 

minimum. Table 2 shows the voltage losses per 1,000 ft. for some cable sizes. 

Table 2Voltage drop per amp in cables [7] 

Cable size 

Voltage drop per amp. per 

1000 ft @ 100% PF @ 20
o
 

# 12 Cu. or # 10 AL 3.32 

# 10 Cu. or # 8 AL 2.08 

# 8 Cu. or # 6 AL 1.32 

# 6 Cu. or # 4 AL 0.84 

# 4 Cu. or # 2 AL 0.53 

# 2 Cu. or # 1/0 AL 0.33 

# 1 Cu. or # 2/0 AL 0.26 
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3.7 SWITCHBOARDS 

Switchboards are weatherproofed and manufactured in different sizes and accessories to 

accommodate ESP installation. Switchboards can be simple units that have only a start-

up button and overload protection or much more complex ones. The available 

switchboards have a range of voltage of 440 V to 4,800 V. The selection depends on the 

required voltage, amperage, horsepower, and economics. Brown emphasized the fact that 

underload protection is required in each switchboard, since the low flow rate will not 

provide sufficient cooling to the motor causing it to fail [9]. Fig. 12 shows a typical ESP 

switchboard. 

 

Figure 12 Typical switchboard [11] 
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3.8 TRANSFORMERS 

There are three different types manufactured for the use of ESPs. These transformers are 

three single-phase, three-phase standard, and three-phase auto transformers [9]. The 

primary use of transformers is to step high voltage down to motor voltage. Some 

transformers are filled with oil and have a self-cooling feature. However, in offshore 

locations where the use of oil is risky, transformers are dry. Fig. 13 demonstrates a 

typical ESP transformer.  

 

Figure 13 Typical transformers [12] 
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3.9 JUNCTION BOX 

For safety concerns, the junction box is usually positioned between the wellhead and 

switchboard. Junction box is vented and weatherproofed, so that the gas that can travel up 

along the cable will be vented through the junction box before reaching the switchboard. 

This process will eliminate a potential explosion or fire at the switchboard. This box 

should be installed 2 to 3 ft. above ground and located 15 ft. from the wellhead. Cables 

coming from the wellhead and switchboard to junction box should be buried. A typical 

connection is notes in Fig. 14. 

 

Figure 14 Typical junction box connection [9] 
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CHAPTER FOUR: ESP INSTALLATIONS 

 

4.1 INTRODUCTION 

There are two types of installations; tubing-deployed and alternative deployed systems. In 

the first type, the ESP will be attached at the end of the production tubing, whereas the 

second type uses either ESP cable or Coiled Tubing (CT) deployment.  

4.2 TUBING DEPLOYED INSTALLATIONS 

This type of installation uses the production tubing to deploy and retrieve ESPs. 

Depending on the production strategy (i.e., producing from single zone or dual zone), 

different installation techniques are available. 

4.2.1 Producing From Single Zone 

In horizontal wells, the installation techniques of ESPs follow special criteria. The set 

point of ESPs in horizontal wells is usually above the kickoff point in the vertical section 

of the well. Sevin pointed out that ESPs can be set in the horizontal section if the casing 

size is large enough and accessibility of that section is possible [13]. Moreover, Duffy et 

al. suggested that two ESP systems can be installed in parallel for several applications 

[14]. One of these applications is an offshore installation. The cost of the workover will 

be reduced since the failure of one ESP doesn’t require a replacement because the other 

ESP will take over to compensate for the loss in production. 
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Figure 15 Parallel connection of two ESPs [3] 

Fig.15 shows the two ESPs connected in parallel and attached to the tubing through a Y-

tool. This Y-tool helps to access wellbore and select between the two systems. As shown 

in the left-hand part of Fig. 15, the lower ESP is desired, so a blanking plug is installed in 

the Y-tool to prevent flow circulation where the isolation tool is set in the Y-tool of the 

upper unit. The Fig. in the middle shows the mechanism when the upper ESP is in 

operation. A blanking plug will be set in the upper Y-tool instead of the isolation tool. 

This blanking plug will help in preventing any fluid circulation. In case both units are in 

operation, as shown in the right-hand Fig., a blanking plug will be set only in the lower 

Y-tool. The parallel installation can sometimes be useful where we have restrictions in 

surface or downhole. The operation of both units as the same time can increase the well’s 

production for the same total dynamic head. Moreover, a failure of one ESP will not 

cause a loss in production because the other unit will compensate for the production of 

the failed ESP. 
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Installing two units in series can provide a booster-pump setup (Fig. 16). This also 

increases the lifting depth while the production rate is the same. Also, for the same total 

dynamic head, it can increase the total liquid rate. Series-connected installations are 

usually utilized when no motor is available for a given size of casing. This is due to the 

great lifting depth or high production rate. Also, the inflow rate of the wells is decreasing 

sharply, and ESP capacity has to be reduced after the initial production and if there is a 

possibility of a collapse to the casing due to high pressure drawdown caused by 

producing more to meet target. 

 

Figure 16 Series connection of two ESPs [3] 
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4.3 ALTERNATIVE DEPLOYED INSTALLATIONS 

One of the big incentives of using the alternative deployed installation rather than the 

tubing-deployed installations is that the tubing-deployed installation requires high 

capacity workover units that are costly and not always available to run and retrieve tubing 

and ESP [3]. However, running and retrieving ESP on its electrical cable or on a CT 

(Coiled Tubing) string eliminates the use of the heavy tubing string and requires 

workover rigs of much smaller load capacity and service fee; operational costs are 

therefore effectively reduced. 

4.3.1 Cable Suspended ESPs 

Arutunoff and O’Rourke introduced the concept of running ESPs on their electrical cable 

back in 1970 [15]. 

 

Figure 17 typical cable suspended ESP [3] 
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In this type, typically the ESP is run at the end of an electrical and reinforced cable that 

can withstand the weight of the pump (Fig. 17). The ESP is set at the tubing shoe inside 

the tubing. This tubing shoe will help in supporting the weight of the ESP and will act as 

a seal between the suction and discharge points of the ESP during production, and the 

flow will go through the intake to the tubing and all the way to the surface. The sand skirt 

that is installed above the cable connector will help in preventing sand accumulation 

above the discharge point when the pump switches off [3]. This type of installation is 

limited to shallow wells since cable strength will decrease with depth causing a failure of 

cable to handle the ESP.  

4.3.2 Coiled Tubing (CT) Installations 

The method of installing ESPs by their cables showed that it is not the best or the most 

effective way to install such pumps. This is due to the special tools and handling to the 

high strength cables, the complicated cable splicing (because of the dual function of the 

cable: load and electricity carrying), and the high costs associated with cable 

manufacture. The best solution is to install ESPs by CT.   

The first CT installation was done back in 1992. The ESP was run and installed by CT 

rather than installing by tubing string. Hence, the workover cost was reduced 

significantly [16]. 
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Figure 18 Coiled tubing ESP installation [3] 

 

4.3.2.1 Conventional Installation With Cable Led Outside CT String 

As seen in Fig. 18 (a), the installation is the same as the conventional way with the 

difference of using CT string rather than joint tubing string. This version requires only 

CT injector and avoids utilizing high capacity workover unit to retrieve and run tubing 

string [3]. However, there are many disadvantages with regard to this version. These 

disadvantages include: 

(a)      (b)            (c)             (d)       
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-  The small CT string size will cause high frictional pressure loss that requires high 

motor power. 

- The production of the well might be limited by the smaller size of CT string. 

- CT and ESP must be spooled during workover operations. 

- Running/pulling speeds are limited because of the need to band the cable to the 

CT string. 

4.3.2.2 Conventional Installation With Cable Led Inside CT String 

In Fig. 18 (b), the flow will go through the annulus to the surface. This technique will 

help in reducing friction losses and increasing the capacity of the production. The packer 

above the pump is used to divert fluid into annulus. In case of associated gas production, 

the free gas can be collected below the packer and vented through a sliding sleeve or vent 

valve. If more gas production is encountered/expected, a special pump that can handle a 

large volume of gas is installed. Advantages of this technique are summarized below [3]: 

- The cable inside the CT will be secured against any physical or mechanical 

damage.   

- Since cable banding is not required inside CT, the maximum speed of pulling and 

running of CT can be used. 

- Due to the possibility of the sealing around CT, running/retrieving of ESP can be 

done under pressure.  

- Killing operation can be avoided because of the ability of running/retrieving ESP 

under pressure. 

- Conventional ESP equipment is typically installed in this type. 
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4.3.2.3 Inverted ESP Units 

In this type of installation, the setup is inverted; i.e., the electric motor is at the top and 

the pump at the bottom. The cable is connected directly to the motor without the use of 

MLE (motor lead extension). The MLE is a vulnerable flat cable usually running to the 

pothead on the motor. The centrifugal pump is modified so that the discharge point 

directs fluid to the annulus. The suction and discharge head is isolated by either packer or 

PBR (polish bore receptacle) as shown in Fig. 18 (c) & (d). The sand skirts are used to 

collect sand above the packer and around the ESP when the unit is down. In this 

installation, the cable can be either clamped outside or inside the CT. Many manufactures 

had improved this technique by fabricating different CT sizes with integrated ESP cables 

[17 - 19].  
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CHAPTER FIVE: COMPARISON OF LIFT METHODS 

 

5.1 TYPES OF ARTIFICIAL LIFT METHODS 

Artificial lift methods are divided into two groups: some that use pumps and some that 

use gas. The most common methods of artificial lift are sucker rod pumping, gas lift, 

ESP, jet hydraulic pumping, plunger lift, and progressive cavity pumping. 

5.1.1 Sucker Rod Pumping 

Sucker rod pumping is the most popular method used widely for oil wells (Fig. 19). 

Worldwide, there are over 1 million oil wells equipped with artificial lift methods, and 

75% of these wells are lifted by sucker rod pumps [20]. This type of method should be 

considered for low producer wells because it has been shown to be cost effective over 

time and has a simple operating and maintenance procedure for field personnel. In the 

U.S, there are approximately 350,000 wells equipped with sucker rod pumping (80% of 

the wells are producing less than 10 bbl/day) [20]. The sucker rod pump works using a 

positive displacement pump that is set at the bottom of the tubing. The long rod string 

(sucker rod) connects the pump plunger to the surface. This pump plunger is operated by 

a beam pumping unit at surface. Each upstroke of that beam pumping unit lifts the oil up 

to the surface.  
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Figure 19 Schematic of Sucker Rod Pump [20] 

 

5.1.2 Electrical Submersible Pumping 

ESPs are used in both onshore and offshore wells. This type of artificial method shows an 

excellence in producing high volumes of fluid, but the high cost and depth limitations can 

be considered as a disadvantage.  The basic layout for a tubing-deployed ESP is shown in 

Fig. 20 [21]. ESP utilizes an electric motor and a centrifugal pump that are run on tubing 

and connected back to the surface to a control panel and transformer through an electric 

power cable. During production, the produced fluid passes through the motor and then 

into the pump, which helps in cooling off the motor. The fluid then passes through the 

intake point in the pump and then goes up to the surface. Each stage in the pump adds 

pressure to the fluid at a given rate. At the surface, the fluid builds up pressure that is 

enough to lift it and transport it to a separator. 
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Figure 20 Typical arrangement of ESP [2] 

 

5.1.3 Hydraulic Pumping 
 

There are two types of hydraulic pumps: reciprocating positive-displacement pumps (Fig. 

21) and jet pumps [20]. The reciprocating positive-displacement pumps, also called 

progressive cavity pumps (PCPs), are usually used for onshore low to moderate 

producers. The function of PCPs includes directing the power fluid down the tubing to 

turn on the engine. Then, through a standing valve, the pump piston induces fluid from 

the wellbore. Both the power fluid and formation fluid return up through either a separate 

tubing or casing. Fig. 22 illustrates the typical PCP. 
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Figure 21 Schematic of a reciprocating hydraulic pump [20] 

 

Figure 22 Typical PCP [2] 
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The operation of jet pumps includes directing a power fluid that has a high-pressure down 

to the nozzle. The pressure energy converts to kinetic energy (velocity head). This power 

fluid draws formation fluid into the throat of the pump. Then, the velocity reduces and 

pressure increases by a diffuser. This is to allow both fluids to return up to the surface. 

The schematic of hydraulic jet pump is shown in Fig. 23. 

 

Figure 23 Schematic of a hydraulic jet pump [20] 

5.1.4 Gas Lift 

There are two kinds of gas lift: continuous and intermittent gas lift. The principle of gas 

lift includes injecting gas through certain mandrels and valves into tubing to reduce the 

density of the fluid. The reduction of the density increases the drawdown by lowering the 

flowing BHP. For a gas lift, a source of gas and compression equipment is required.  
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5.2 SELECTION METHOD 

There are many factors that contribute to the choice of an artificial lift system. These 

factors include producing characteristics, fluid properties, hole characteristics, reservoir 

characteristics, long range recovery sources, operating problems, completion type, 

operating personnel, service availability, and relative economics. Installation and 

operating cost has a big role when choosing artificial systems, but well productivity is 

considered to be the most important factor. The following table (Table 3) illustrates the 

selection of artificial system based on well production. 

Table 3 Productivity conditions to choose method of artificial lift [9] 

Well Production (bbl/day) Method of Artificial Lift 

>20,000 ESP and Gas Lift 

2,000 – 10,000 Any Method except Sucker Rod Pumping 

100 – 1,000 Any Method 

˂100 Any Method except ESP 

 

Reservoir pressure is also an important factor, besides well depth. In the early stage of the 

well production, reservoir pressure and GLR are high, so gas lift is preferred. Over time, 

reservoir pressure and GLR decrease, switching the lifting method to ESP. As reservoir 

pressure and GLR reach very low levels, Sucker-Rod pump and Hydraulic pump become 

more suited. Nevertheless, ESP and gas lift are good choices if the reservoir is being 

supported by waterflooding.   
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The following table (Table 4) shows the selection of artificial system against depth. 

Table 4 Depth condition to choose a method of artificial lift [9] 

Depth (ft) Method of Artificial Lift 

>12,000 Hydraulic Pump 

10,000 – 12,000 Any Method except ESP 

˂8,000 Any Method 

 

Sometimes, selecting an artificial method depends on the well’s condition. For example, 

wells producing high viscous fluid can have gas lift or hydraulic pump as a lifting 

method. Also, wells producing a fair amount of sands along with fluid production can 

have gas lift as a lifting method.  

Table 5 explains the common problems affecting lift selection 

Table 5 Common problems affecting the choice of artificial method [7] 

Problem 
Type of Lift Method 

Rod Pump Hydraulic ESP Gas Lift 

Sand Fair Fair Fair Excellent 

Paraffin Poor Good Good Poor 

High GOR Fair Fair Fair Excellent 

Crooked hole Poor Good Fair Good 

Corrosion Good Good Fair Fair 

High volume Poor Good Excellent Good 

Depth Fair Excellent Fair Good 

Simple design Yes No Yes No 

Casing size Fair Fair Good Good 

Flexibility Fair Excellent Poor Good 

Scale Good Fair Poor Fair 
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Table 6 shows a comparison of different artificial lift methods. This table can be used as 

a preliminary look at some operation details and capabilities for artificial lift methods.
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Table 6 Comparison of different artificial methods [6] 

 

 Rod 

Pump 

ESP PCP Hyd. Jet Gas Lift 

Capital Cost Low to 

moderate. 

Increases as 

depth and unit 

size increases 

Relatively low 

capital cost if 

electric power 

available. Costs 

increase as HP 

increases 

Low, but 

increases as 

depth and pump 

rate increases 

Competitive with 

rod pump. Cost 

increases as HP 

increases 

Well gas lift 

equipment  

cost low but 

compression 

cost may be 

high 

Downhole 

Equipment 

Reasonably 

good rod design 

and operating 

practices 

needed 

Requires proper 

cable in 

addition to 

motor, pumps, 

seals, etc. 

Good design 

and operating 

practices needed 

Requires 

computer design 

programs for 

sizing 

Good valve 

design and 

spacing 

essential. 

Moderate cost 

for well 

equipment 

(valve and 

mandrels) 

Operating 

Efficiency 

Excellent total 

system 

efficiency 

Good for high-

rate wells but 

decreases 

significantly for 

˂1,000 BFPD 

Excellent. May 

exceed rod 

pumps for ideal 

cases 

Fair to poor. 

Maximum 

efficiency for 

ideal case is 30% 

Fair. Increases 

for wells that 

require small 

injection 

GLRs. Low for 

wells requiring 

high GLRs 

Flexibility of 

System 

Excellent. Can 

alter strokes per 

minute, stroke 

length, plunger 

size, and run 

time to control 

production rate 

Poor for fixed 

speed. Requires 

careful design. 

Variable speed 

drive provides 

better flexibility 

Fair. Can alter 

strokes per 

minute. 

Hydraulic until 

provides 

additional 

flexibility but 

added costs 

Good to 

excellent. Power 

fluid rate and 

pressure adjusts 

the production 

rate and lift 

capacity from no 

flow to full 

design capacity 

of installed pump 

Excellent. Gas 

injection rate 

varied to 

change rates. 

Tubing needs 

to be sized 

correctly 

Operating 

Costs 

Low for 

shallow to 

medium depth 

land location 

with low 

production 

Varies. If high 

HP, high energy 

costs. High 

pulling costs 

result from 

short run life 

especially in 

offshore 

Potentially low, 

but short run life 

on stator or rotor 

frequently 

reported 

High power cost 

because of HP 

requirement. 

Low pump 

maintenance cost 

with properly 

sized throat and 

nozzle for long 

Well costs low. 

Compression 

cost varies 

depending on 

fuel cost and 

compressor 

maintenance 
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operation. 

Repair costs 

often high 

run life 

System 

Reliability 

Excellent. Run 

time efficiency 

>95% if good 

rod practices 

followed 

Varies. 

Excellent for 

ideal lift cases; 

poor for 

problem 

areas(very 

sensitive to 

operating 

temperatures 

and electrical 

malfunction) 

Good. Normally 

over pumping 

and lack of 

experience 

decrease run 

time 

Good with proper 

throat and nozzle 

sizing for 

operating 

conditions. Must 

avoid operating 

in cavitation 

range of jet pump 

throat related to 

pump intake 

pressure. 

Excellent if 

compression 

system 

properly 

designed and 

maintained 

Usage/Outlook Excellent. The 

normal standard 

artificial lift 

method  

An excellent 

high-rate 

artificial lift 

system. Most 

often used on 

high water-cut 

wells 

Limited to 

relative shallow 

wells with low 

rates. Primarily 

gas well 

dewatering 

Good for higher 

volume wells 

requiring flexible 

operating, wide 

depth range, high 

temperature, high 

corrosion, high 

GOR, significant 

sand production 

Good, flexible, 

high-rate 

artificial lift 

system for 

wells with high 

bottomhole 

pressure. Most 

like a flowing 

well. 

Depth Limits Good. Rod or 

structure may 

limit rate at 

depth. 

Effectively, 

approximately 

150 B/D at 

15,000 ft. 100 

to 11,000 ft 

typical; 16,000 

ft maximum 

Usually limited 

to motor HP or 

temperature. 

Practical depth 

approximately 

10,000 ft. 1,000 

to 10,000 ft 

TVD typical; 

15,000 ft TVD 

maximum 

Poor. Limited to 

relatively 

shallow depths, 

possibly 5,000 

ft. 2,000 to 

4,500 ft typical; 

6,000 ft TVD 

maximum 

Excellent. 

Similar limits as 

PCP. 5,000 to 

10,000 ft TVD 

typical; 15,000 to 

20,0000 ft TVD 

maximum  

Controlled by 

system 

injection 

pressure and 

both gas and 

fluid rate. 

Typically, for 

1,000 B/D with 

2.5 in tubing, a 

1,440 psi lift 

system, and a 

1,000 GLR, 

has an 

injection depth 

˂10,000 ft; 

15,000 ft 

maximum  

Gas-Handling 

Ability 

Good if can 

vent and use 

gas anchor with 

proper designed 

pump 

Poor for free 

gas. Rotary gas 

separators 

helpful if solids 

not produced 

Poor if pump 

must handle free 

gas 

Similar to PCP 

except jet can 

handle higher 

GLR. Free gas  

reduces 

efficiency but 

Excellent. 

Produced gas 

reduces need 

for injection 

gas 
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helps lift 

Offshore 

Application 

Poor. Must 

design for unit 

size, weight, 

and pulling 

units space 

Good. Must 

provide 

electrical power 

and service 

pulling unit 

Poor. May have 

application. 

However, 

pulling unit 

needed 

Good. Produced 

water or seawater 

may be used as 

power fluid with 

wellsite-type 

system or power-

fluid separation 

before 

production-

treating system 

Excellent. 

Most common 

method if 

adequate gas 

Temperature 

Limitations 

Excellent. 

Currently used 

in thermal 

operations 

(550oF) 

Limited to 

˂250oF for 

standard and 

˂400oF for 

special motors 

and cable. 

100oF to 275oF 

typical 

Fair. At present, 

maximum below 

approximately 

250oF; 75oF to 

150oF typical 

Excellent. 100 to 

250oF typical. 

Possible to 

operate to 500 to 

600oF with 

special materials 

Excellent. 100 

to 250oF 

typical. 

Maximum of 

350 to 400oF 

High-Viscosity 

Fluid-

Handling 

Capability 

Good for up to 

˂ 200 cp 

viscosity fluids 

and low rates 

(400 B/D) 

Fair. Limited to 

as high as 1000 

cp 

Excellent for 

high viscosity 

fluids provided 

no stator/rotator 

problems 

Good/excellent > 

6o API 

production with 

˂ 800 cp possible 

Fair. Few 

problems for > 

15o API or 

below 20 cp 

viscosity. 

Excellent for 

high water cut 

lift even with 

high viscosity 

oil 

High-Volume 

Lift 

Capability 

Fair. Restricted 

to shallow 

depths with the 

use of large 

plungers. 

Maximum rate 

approximately 

4,000 BFPD 

from 1,000 ft 

and 1,000 

BFPD from 

5,000 ft 

Excellent. 

Limited by 

needed HP and 

can be restricted 

by casing size. 

In 5.5 in. casing 

can produce 

4,000 BFPD 

from 4,000 ft 

with 240 HP. 

Tandem motors 

increase HP and 

operating costs. 

200 to 20,000 

B/D typical 

Poor. Restricted 

to relatively 

small rates. 

Possibly 2,000 

BFPD from 

2,000 ft and 200 

BFPD from 

5,000 ft. 4,500 

B/D maximum 

at shallow 

depths  

Excellent. Up to 

15,000 BFPD 

with adequate 

flowing bottom 

hole pressure, 

tubular size, and 

HP, 300 to 1,000 

B/D typical; > 

15,000 B/D 

maximum 

Excellent. 

Restricted by 

tubing size and 

injection gas 

rate and depth. 

With 4 in.  

nominal tubing 

rates of 5,000 

B/D from 

10,000 feasible 

with 1,440 psi 

injection gas 

and GLR of 

1000 

Low-Volume Excellent. Most 

commonly used 

Generally poor. 

Lower 

Excellent for ˂ 

100 BFPD 

Fair. > 200 

BFPD from 

Fair. Avoid 

unstable flow 
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Lift 

Capability 

method for 

wells producing 

˂ 100 BFPD 

efficiencies and 

high operating 

costs ˂ 400 

BFPD 

shallow wells 4,000 ft range. 
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CHAPTER SIX: CASE STUDY 

 

6.1 INTRODUCTION 

A simulation study has been done on a synthetic field taken from Saudi Aramco in order 

to determine how best to produce the reservoir to maximize the oil recovery.  There are 

three scenarios applied to complete this study. The first scenario is producing the field 

naturally; i.e., with no artificial lift for the next 27 years of its life. The second scenario is 

producing the field with ESP installed from the beginning. The last one is producing the 

field naturally to the mid of its life, then installing ESP for the remaining life.  

This field is producing from two zones A & B and has a reservoir that is under-saturated 

and supported with a surrounded limited water aquifer. It was under production from 8 

wells for 5 years. Then, more producers and injectors were drilled for the remaining 

period. It was shut-in for 2 years for further development and expansion of surface 

facilities. The reservoir dimensions are 22,500 ft long and 18,000 ft wide. 

6.2 DATA PREPARATION 

The rock and fluid properties and reservoir description of the model is shown below: 

Estimated OWC depth 7750 ft 

Reference Pressure 2150 psi 

Initial Pressure @ 7750 2150 psi 

Gas Density 0.6 lb/scf 

Oil Density (Stock Tank) 48 lb/scf 

Water Density @ Reference 

Pressure 

62.6 lb/RCF 

Water FVF 1.02 bbl/STB 

Water Compressibility 3.00E- psi
-1

 



 

46 

 

06 

Water Viscosity 0.45 cp 

Rock Compressibility 4.00E-

06 

psi
-1

 

Wellbore Diameter 7.5 in 

Start of Production 03/01/1998 

 
 

6.3 FORMATION PROPERTIES CONTOUR MAP FOR ZONE # 1 

The formation properties of zone # 1including thickness, porosity and permeability are 

showing in Fig. 24, 25 and 26 respectively.  

 
Figure 24 Thickness of zone # 1 
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Figure 25 Porosity of zone # 1 

 
Figure 26 Permeability of zone # 1 
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6.4 FORMATION PROPERTIES CONTOUR MAP FOR ZONE # 2 

The formation properties of zone # 2 including thickness, porosity and permeability are 

showing in Fig. 27, 28 and 29 respectively.  

 

Figure 27 Thickness of zone # 2 
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Figure 28 Porosity of zone # 2 

 

Figure 29 Permeability of zone # 2 
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6.5 RESULTS (FINDINGS) 

 

Figure 30 Original oil saturation 

The above graph (Fig. 30) was obtained through an option in Eclipse called FloViz, 

which is an interactive 3D visualization system that displays reservoir simulation model. 

This graph shows the original oil saturation of the field, where the red color means that 

the field is almost fully saturated with oil. The blue color represents the limited water 

aquifer. The yellow color is the point of the oil-water transition zones. 
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Figure 31 Field performance when producing naturally 

For the case of producing the field naturally, four elements are graphed with regard to the 

time in years. These elements are FGPR (Field Gas Production Rate), FOPR (Field Oil 

Production Rate), FPR (Field Average Pressure), and FWPR (Field Water Production 

Rate). 

As it can been seen in Fig. 31, for the first five years the gas and oil rate and pressure are 

declining sharply, while the water production is increasing slightly. This behavior is 

expected since the supported water aquifer is limited and there were no injectors to 

maintain reservoir pressure. After that, the field is shut down for two years for some 
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facilities development. During these two years, the reservoir pressure is increased due to 

the support from the aquifer. Then, when the field is put back on production, more 

producers and injectors were drilled during the remaining period. The drilling of the 

producers helps in maximizing the production where the injectors tend to increase 

reservoir pressure slightly. The production of gas was fluctuated, but oil production was 

leveled off because it exceeded the maximum production limit set by the simulation, 

which is 6000 bbl. However, going towards the end of the simulation period, there was a 

steep increase in water production due to the drilling of more injectors to sustain the 

reservoir pressure.            

 

Figure 32 Oil saturation after producing naturally for 27 years 

FloViz shows (Fig. 32) the behavior of the field after producing naturally for a period of 

27 years. The sweeping is efficient and well distributed, but oil recovery was low 

compared to the two scenarios. The green colored zone represents the mixture of oil and 
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water where the oil saturation changed from red to green i.e. from ~ 90 % to ~45 %. The 

remaining percentage denotes water saturation.  

 

Figure 33 Field performance when ESPs installed at the beginning of the field production 

For the case of installing ESP from the beginning (Fig. 33), the field is acting almost the 

same as the “naturally flowing” case. However, more gas and oil production is obtained, 

which will be confirmed in the Field Recovery graph later on. There is a dramatic 

increase in water production where the reservoir pressure is undulated. The gas 

production is increased gently towards the end of the simulation because the field is 
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producing below the bubble point where more gas is separated from oil and produced 

along with the free gas.  

 

Figure 34 Oil saturation after producing with ESPs for 27 years 

Here, Fig. 34 shows that the field is recovering more oil than the first case. The sweeping 

is efficient and well distributed.  
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Figure 35 Field performance when installing ESPs at mid-life of field production 

In this scenario of producing naturally until the mid-life of the field (Fig. 35), then 

installing ESPs, the case is almost the same as the two previous scenarios. However, the 

gas production is higher than the two cases. The water production jumped suddenly when 

ESPs were installed. The reason for this is that the field was producing naturally with a 

steady-state behavior but once the ESPs were installed, the reservoir pressure was 

disturbed. The disturbance occurred due to the effect of the ESP, which reduced the 

wellbore pressure. The water was pushing the oil constantly, but once the wellbore 
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pressure dropped, this water was breaking through pushing the oil behind. The reservoir 

pressure was slightly increasing. 

 

Figure 36 oil saturation after producing with ESPs for 13.5 years (half of life-time of field) 

The result is that the recovery is the same as when the field is producing naturally except 

that the sweeping is distributed differently (Fig. 36). 
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Figure 37 Field gas production rate for all scenarios 

 

In this graph (Fig. 37), the gas production with ESPs is higher by 1000 MSCF/day than 

the remaining two cases for the first five years. However, all scenarios were acting the 

same from year 7 until year 24. Towards the end of the simulation, the gas production 

with ESPs installed from the beginning increases where the field with ESPs installed at 

the mid-life of the field declined. The naturally producing field was behaving the same.  
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Figure 38 Field total gas production for all scenarios 

Thus, for the total gas produced, all graphs were going up with the same trend (Fig. 38). 

However, the production with ESPs installed from the beginning results in a gas 

production that is higher by 11%. The two remaining scenarios are behaving almost the 

same. 
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Figure 39 Field oil production rate for all scenarios 

For oil production (Fig. 39), the field with ESPs installed is showing higher production 

by almost 1600 STB/day (an increase of 66%) in the first five years, but all scenarios are 

behaving the same for the remaining period. 
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Figure 40 Field total oil production for all scenarios 

In this graph (Fig. 40), all lines are having the same trend except that the case of 

producing naturally and installing ESPs at the mid-life of the field is acting the same. 

Having ESPs installed at the beginning of the production of the field results in an 

increase of 11% in total oil production. 



 

61 

 

 

Figure 41 Field water cut for all scenarios 

This graph (Fig. 41) shows the water cut of the field for the three scenarios. The water cut 

is the ratio of the produced water compared to the volume of the total produced liquid (oil 

and water). For the first five years, the case of installing ESPs at the beginning shows 

water cut of 38%, which is higher than the other two cases which were 32%. However, 

installing ESPs in the middle of the period shows a higher water cut of 59%. In some 

areas, having water cut exceeding 50% will result in shutting-off the field and finding 

remedial actions to bring water cut back to an economical percentage. The other two 
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cases showed an increase in water cut, but still lower than the first one. The water cut for 

all cases was increasing due to the drilling of more injectors. 

 

Figure 42 Field average reservoir pressure for all scenarios 

As shown in Fig. 42, the average reservoir pressure for the cases of producing naturally 

and installing ESPs in the mid of the period is almost identical. However, the case of 

installing ESPs from the beginning results in lowering the average reservoir pressure due 

to the effect of ESPs in lowering the wellbore pressure.  
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Figure 43 Field oil recovery for all scenarios 

 

This graph (Fig. 43) is the most important one because it clearly explains the effect of 

ESPs in maximizing oil recovery.  

The oil recovery can be calculated by  

FOE = (IOIP – OIP (now)) / IOIP 

The case of having ESPs from the beginning shows that 37% of the oil is recovered, 

while for the remaining two cases 34% of the oil is recovered. This means that an 

increase of 8% will be noticed if ESPs is installed from the beginning. 
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CHAPTER SEVEN: CONCLUSIONS 

 

7.1 SUMMARY OF FINDINGS AND CONCLUSIONS 

Running and retrieving ESPs by alternative deployed methods like ESP cables and/or CT 

is an optimum approach, since it will require low capacity workover units and as a result 

will not cost a lot. 

The result of the case study shows that the oil and gas production with ESPs installed 

from the beginning is higher than the other two cases. This is true only in the first five 

years and towards the end of the simulation. However, all scenarios were acting the same 

from year seven until year 24. However, the water cut with the case of having the ESPs 

installed in the middle of the life time shows a sharper jump than the other cases. The 

water cut for all cases was increasing due to the drilling of more injectors. Moreover, the 

average reservoir pressure for the cases of producing naturally and installing ESPs in the 

middle of the period is almost identical. However, the case of installing ESPs from the 

beginning results in lowering the average reservoir pressure due to the effect of ESPs in 

lowering the wellbore pressure.   

At the end of the study, 37% of the oil is recovered if we have ESPs installed at the 

beginning of the life time of the field. However, 34% is recovered in the other two 

scenarios. This means that an increase of 8% will be noticed if ESPs is installed from the 

beginning. 
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7.2 RECOMMENDATIONS 

Artificial lift methods can be utilized to produce wells that are dead or to maximize the 

production rate from flowing wells. The inverted ESP (pump at the bottom, motor at the 

top) / integrated CT installation can be used in remote areas and offshore where the cost 

of workover rig is high and the loss of production is a major concern. The Variable Speed 

Drive (VSD) is recommended to adjust the ESP operating speed to fit the characteristics 

of the well which are changing over time. This adjustment can be best utilized to 

maximize production by changing frequencies. VSDs are usually applied to change 

frequencies from a range of 30 to 90 Hz.  

If produced water is managed and reservoir pressure is maintained, installing ESPs at the 

beginning of the field life is recommended to maximize oil and gas production. As 

results, oil and gas recovery will be maximized. 
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